Conversion Factors
SI to Inch/Pound (Bachu, 2003; Bradshaw, 2004; Bachu and others, 2007 ; U.S. Department of Energy, National Energy Technology Laboratory, 2008 Laboratory, , 2010 van der Meer and Egberts, 2008) . This report provides a methodology and a quantification of the time scales for the lateral migration of sequestered CO 2 . Permeabilities ranging over thirteen orders of magnitude were studied. Porosities ranging from 5 to 95 percent, which represent a wide range of values without violating the assumptions of the constitutive equations, were also studied. These resulting time scales are provided for formation permeability and porosity combinations, and span several orders of magnitude.
Multidisciplinary elements from physical chemistry, fluid dynamics, geophysics, rock mechanics, and petroleum engineering are used in this research. Units have been converted into SI units wherever possible. However, fracture gradients and pressure gradients are kept in the industry-standard units of pounds per square inch per foot (psi/ft) and pounds per gallon (ppg). Additionally, reservoir depth and temperature conditions are given in units of feet (ft) and degrees Fahrenheit (°F).
Methodology
The behavior of supercritical CO 2 is highly variable over the range of reservoir pressure and temperature conditions likely encountered in subsurface containment formations. 
Abstract
At present, the literature lacks a geologic-based assessment methodology for numerically estimating injectivity, lateral migration, and subsequent long-term containment of supercritical carbon dioxide that has undergone geologic sequestration into subsurface formations. This study provides a method for and quantification of first-order approximations for the time scale of supercritical carbon dioxide lateral migration over a one-kilometer distance through a representative volume of rock. These calculations provide a quantified foundation for estimating injectivity and geologic storage of carbon dioxide.
A geologic-based approach was developed in which subsurface pressure and temperature conditions were held constant while the petrophysical properties of fractional porosity and matrix permeability were varied simultaneously. The Span and Wagner equations of state were used to determine thermophysical properties of carbon dioxide at appropriate reservoir conditions. The fluid-flow calculations assume mass transport through a laterally continuous, homogeneous isotropic formation and were based on two constitutive equations from fluid dynamics: hydraulic diffusivity for near-surface applications, and a modified version of Darcy's Law for deeper formations exhibiting higher pressure gradients.
The first-order approximations of the lateral migration time scales, for both hydraulic diffusivity and Darcy flow, can be expressed as a quasi-linear function over a range of porosity and permeability values. This method is applicable to a substantial range of sedimentary formations exhibiting porosities up to 95 percent and permeabilities from 10.0 darcy to 1.0 picodarcy.
These results were used to classify subsurface formations into three permeability classifications for the probabilistic calculations of storage efficiency and containment risk of the U.S. Geological Survey geologic carbon sequestration assessment methodology. This methodology is currently in use to determine the total carbon dioxide containment capacity of the onshore and State waters areas of the United States.
Introduction
The Energy Independence and Security Act, Section 711, (Public Law 110-140) requires the U.S. Geological Survey (USGS), in consultation with the Department of Energy and the Environmental Protection Agency, to assess the subsurface from 0 to 200 MPa, CO 2 exhibits three orders of magnitude variation in fluid density, one order of magnitude variation in viscosity, approximately one order of magnitude variation in compressional-wave velocity, and four orders of magnitude variation in fluid compressibility.
Study of the physical properties of this fluid can be restricted to the pressure and temperature conditions likely encountered in sedimentary strata. Geologic sequestration of supercritical CO 2 is targeted for subsurface injection and containment at depths ranging from approximately 3,000 ft to 13,000 ft. The 3,000-ft upper depth limit represents a general approximation of the minimum pressure-depth conditions at which the injected CO 2 will remain in the liquid phase (Burruss and others, 2009; Brennan and others, 2010) . The lower depth of 13,000 ft is based on hydrostatic fluid displacement in the subsurface from surface injection at pipeline pressures and without additional fluid compression at the surface (Burruss and others, 2009; Brennan and others, 2010) .
A sedimentary formation at a depth of 8,000 ft represents the midpoint between these upper and lower depth limits. According to the industry standards defined in the Schlumberger Oilfield Glossary (Schlumberger, 2011) , in general, a normally geopressured region exhibits a pressure gradient of 0.465 psi/ft. Linear extrapolation of this gradient down to 8,000 ft yields a pressure of 3,720 psi, which corresponds to approximately 25.5 MPa. The geoscience reference Encyclopedic Dictionary of Exploration Geophysics (Sheriff, 1994) provides a generalized geothermal gradient of 30 degrees Celsius per kilometer (°C/km) or 1.65 degrees Fahrenheit per one hundred feet (°F/100 ft) for shallow crustal rocks. Assuming an average surface temperature of 68°F, a formation at a depth of 8,000 ft will exhibit, in general, a temperature of 200°F. Therefore, an isopressure of 25.5 MPa and an isotherm of 200°F were selected as the reservoir conditions to represent an average sedimentary formation at approximately 8,000-ft depth. Table 1 quantifies select physical properties of supercritical CO 2 under these reservoir conditions.
A geologic-based approach was developed for this analysis in which the reservoir pressure and temperature conditions were held constant while the petrophysical properties of fractional porosity and matrix permeability were varied simultaneously. The fractional porosity was varied, for both the hydraulic diffusivity study and Darcy fluid flow, from 5 to 95 percent, in 5-percent increments. For completeness, this wide porosity range was studied because the sequestered fluids may react with pore fluids to enhance the porosity. In the natural world, porosities approaching 65 percent have been studied in shallow carbonate core plugs recovered from boreholes of the Bahamas Drilling Project (Ehrenberg and others, 2006) . However, a porosity value of 100 percent represents a continuous fluid-filled pore space, which would represent an unlikely injection target. Permeability values were varied over thirteen orders of magnitude, from 10.0 darcy (D) down to 1.0 picodarcy (pD), to study the widest range of formation properties potentially encountered in sedimentary strata. Permeabilities in excess of 1.0 D have been studied in Middle East Cretaceous reservoirs (Ehrenberg and others, 2008) ; whereas, picodarcy strata may be encountered in clays and shales (Bol and others, 1994) . Due to the thirteen orders of magnitude spread in this formation property, the permeabilities were divided into three permeability classifications for the USGS assessment methodology (Burruss and others, 2009; Brennan and others, 2010) for the geologic sequestration of CO 2 . Formations exhibiting permeabilities greater than 1.0 D were considered Class I; formations exhibiting permeabilities from 1.0 D to 1.0 millidarcy (mD) were considered Class II; formations exhibiting permeabilities below 1.0 mD were considered Class III.
Fluid-Flow Modeling
The calculations for the lateral migration and containment time scale of injected CO 2 were based on two constitutive equations from fluid dynamics. The hydraulic diffusivity equation can be used to describe the system for near-surface conditions approaching the 3,000-ft upper depth limit, and specifically for subsurface pressures that are less than (Span and Wagner, 1996) . approximately 10 MPa (1,500 psi). The fluid viscosity term in the denominator of the hydraulic diffusivity equation remains relatively linear over this pressure range. Darcy's Law for laminar fluid flow of a viscous, Newtonian fluid under a higher pressure differential can be used to describe the situation in the deeper formations or regions of overpressure.
For the fluid flow modeling, the formation geometry is assumed to be a laterally continuous, horizontal layer with homogeneous isotropic properties. Grain-fluid interactions and thermochemical reactions are neglected. Fluids are assumed to exhibit Newtonian behavior. Matrix permeability and fractional porosity were varied simultaneously while holding pressure constant at 25.5 MPa and temperature at 200°F. Properties of supercritical CO 2 at these pressure-temperature conditions were determined from the Span and Wagner equations of state (Span and Wagner, 1996; Lemmon and others, 2011) . Formation bulk compressibility of a typical sandstone was taken to be 0.031 MPa -1 as described by Phillips (1991) . Parameters used in these calculations are summarized in table 1. In order to normalize the hydraulic diffusivity and Darcy's Law results, it is assumed that the fluid transport occurs over a 1.0 kilometer (km) lateral distance.
Hydraulic Diffusivity
The relation for hydraulic diffusivity, α , is given by the equation (Flemings and others, 2002) :
where k is the permeability in square meters (m 2 ),  is the fluid viscosity of CO 2 in kilograms per metersecond (kg/m·s),  is the dimensionless fractional porosity,  is the bulk compressibility of the formation (1/MPa), and   is the fluid compressibility (1/MPa).
Note that the hydraulic diffusivity relation will have undefined solutions when porosity values approach zero or one. To avoid these singularities, hydraulic diffusivity was studied over porosity values ranging from 5 to 95 percent, in 5-percent increments. Calculating the hydraulic diffusivity of the fluid will enable the quantification of the time scale (Phillips, 1991) ,  hd in seconds, in which a pressurized fluid pulse will propagate through the porous media by the relation:
where L represents the lateral distance in meters, and a is the hydraulic diffusivity.
The fluid compressibility,   , is the inverse of the fluid bulk modulus, K, and can be determined from the compressional-wave velocity, V p , by the relation:
in which ρ represents the fluid density, and the shear modulus  = 0 because fluids do not propagate shear stresses.
Results are given in figures 3 through 8 for porosity increments of 5 percent over the range of formation permeabilities. The time scale of the fluid migration as a function of fractional porosity exhibits a hyperbolic decay contour that is characteristic of the hydraulic diffusivity equation. For a formation with 1.0-D permeability, lateral fluid migration will take from zero to six months. A formation exhibiting 1.0-mD permeability could provide approximately a 500-year containment of sequestered CO 2 . Over the range of porosities, formations with 1.0-microdarcy (D) permeability would theoretically be able to confine CO 2 on the order of several hundred-thousand years. According to these calculations, a formation with 1.0-nanodarcy (nD) permeability offers containment potential on the order of Fractional porosity (unitless) hundreds of millions of years. Furthermore, for completeness, a formation with 1.0-pD permeability could theoretically contain the fluids for billions of years, which exceeds the tectonic cycle of the sedimentary rocks. The first-order approximation for the time scale for sequestered CO 2 lateral movement, based on hydraulic diffusivity fluid flow, is given as a function of permeabilities from 10 D to 1.0 pD and porosities from 5 to 95 percent ( fig. 9 ). This plot represents the logarithm of the time scale for 1.0 km of sequestered CO 2 lateral movement under reservoir conditions of 200°F and 25.5 MPa. The range of values, as well as the average value, is given for select permeabilities in table 2.
Sensitivity Analysis for Hydraulic Diffusivity Flow Modeling
A sensitivity analysis was conducted on the individual parameters in the hydraulic diffusivity equation to determine the effects on the time-scale order of magnitude. The porosity and permeability components in the equation compose the detail of this report. Additionally, the fluid viscosity, bulk compressibility of the formation, and the fluid compressibility were analyzed. These findings indicate that the hydraulic diffusivity is affected by the CO 2 viscosity as an inverse scalar quantity; thus, the fluid viscosity contribution has a negligible effect on the orders of magnitude associated with the fluidmigration time scales.
The bulk compressibility of the formation is not expected to change significantly with the injection of CO 2 . However, ten-fold increases in the bulk compressibility properties of the formation increase the hydraulic diffusivity time scales by only one order of magnitude. By contrast, a Fractional porosity (unitless) ten-fold reduction in the bulk compressibility results in a scalar decrease in the time scale. Subsequent ten-fold reductions in the bulk compressibility result in time-scale reductions that asymptotically approach a single order of magnitude reduction from the original duration. The compressibility of supercritical CO 2 varies by approximately seven orders of magnitude over a substantial range of reservoir pressures from 0 to 200 MPa (0 to 29,000 psi). The relation between the fluid compressibility and the hydraulic diffusivity time scale is hyperbolic. However, a reduction in the order of magnitude of the fluid compressibility does not significantly affect the hydraulic diffusivity time scales, because this is the flattened part of the asymptotic relation. Increasing the fluid compressibility by one order of magnitude increases the hydraulic diffusivity time scale by only one order of magnitude.
From this study, changes in the CO 2 fluid viscosity will have negligible scalar effects on the first-order approximations of the fluid-migration time scales. Carbon dioxide injection is not expected to significantly alter the formation bulk compressibility. However, large changes in the bulk compressibility result in, at most, only one order of magnitude change in the first-order approximations. Changes in the fluid compressibility, over an extensive range of reservoir conditions, result in approximately one order of magnitude change in the time scale.
The variability of the time scales were studied over the depth range and compared to the 8,000-ft base case. For the 3,000-ft upper depth limit, the formation temperature decreased to 118°F and the formation pressure decreased to 9.6 MPa (1,400 psi). The CO 2 properties of density, compressional-wave velocity, and fluid viscosity also decrease by a scalar factor at these shallower reservoir conditions. The scalar value of the lateral migration time scale is decreased by approximately half. However, there is no change to the order of magnitude of the lateral migration time scale at 3,000-ft depth. At the 13,000-ft lower depth limit, the formation temperature is increased to 282°F and the formation pressure is increased to 41.5 MPa (6,000 psi). The physical properties of CO 2 increase by a scalar factor at these greater depths. A negligible increase occurs to the scalar value of the time scales, and there is no change to the order of magnitude of the lateral migration time scales at 13,000-ft depth.
Darcy's Law of Fluid Flow
Darcy's Law of viscous fluid flow through a porous media is a proportional relation between the pressure gradient over a distance, ΔP/L; fluid viscosity, ; matrix permeability, k; and cross-sectional area, A, through which the fluid passes. The fluid flow rate, Q, is defined as: Darcy's Law assumes that the fluid flow is laminar. Under hydrostatic conditions, no fluid flow occurs; in the presence of a pressure gradient, fluid flows from high pressure toward low pressure.
The interstitial pore velocity (m/s) is given by the Darcy flux divided by porosity:
The time frame  D , in units of seconds, for Darcy flow of a viscous fluid through a porous media across a lateral distance L is expressed as:
To obtain time-scale results that are comparable with the hydraulic diffusivity flow, the distance for the lateral migration of sequestered CO 2 in the Darcy fluid-flow calculations is 1.0 km.
Injectivity
The Schlumberger Oilfield Glossary (Schlumberger, 2011) defines an injectivity test as a procedure that is used to determine "the rate and pressure at which fluids can be pumped into the treatment target without fracturing the formation." According to the reservoir engineering literature (Craft and Hawkins, 1991) , the injectivity index quantifies the pressure increase due to pumping a known rate and volume of fluids into the formation. Mathematically, this is represented as the ratio of the injection flow rate divided by the pressure increase. Whereas injectivity describes the pressure increase due to the introduction of fluids into a formation, the most interesting and relevant application of injectivity is to determine the pressure increase, due to an injection volume and flow rate, that will break the reservoir rocks. In order to determine this threshold, information about the reservoir pressure gradient and the fracture gradient must be known. These two gradients enable quantification of the maximum pressure differential, as detailed below, which will dictate the limits of the pressure increase that the formation can handle before fracturing. This pressure increase and the modern Span and Wagner (1996) equations of state can be used to calculate the injection volume of CO 2 . Based on this volume, the flow rates can be determined from petroleum engineering knowledge specific to the injection well, such as pipeline diameters and safe wellhead operating pressures.
The Maximum Pressure Differential for Injectivity
In order to determine the maximum pressure differential, ∆P, the fracture gradient must be known. A graphical representation of the relation for the maximum pressure differential, which is the magnitude of the difference between the fracture gradient and the hydrostatic gradient, is given in figure 10 . The magnitude of the maximum pressure differential is the pressure increase, due to CO 2 injection, that a formation could theoretically handle before fractures are induced. This relation assumes that the reservoir pressure gradient before the initiation of CO 2 injection exhibits a linear, hydrostatic pressure gradient. This assumption can be easily modified to incorporate the actual reservoir pressure gradients encountered in the formation. For this case, the maximum pressure L it h o s t a t ic g r a d ie n t 1 .0 0 p s i / f t F r a c t u r e g r a d ie n t 0 . 9 2 6 p s i / f t 
where F D is the fracture gradient at the specified depth and H D is the original reservoir pressure gradient or hydrostatic gradient evaluated at the specified depth. This relation assumes that the formation is not already fractured due to overpressuring and that ∆P will always be a positive value.
Many empirical methods exist for calculating the fracture gradient of a formation, given detailed information about the pore pressure, matrix stress coefficient, vertical matrix stresses, overburden stress, water depths, Poisson's ratio, leakoff pressure tests, and pressure integrity tests (Hubbert and Figure 11 . Fracture gradient as a function of depth is applicable for all continuous depositional basins, modified from Eaton (1969) . The fracture gradient is used in the determination of the injectivity and the maximum pressure differential for the Darcy fluid-flow modeling. Depth is given in feet (ft) and fracture gradients are given in pounds per gallon (ppg). Willis, 1957; Matthews and Kelley, 1967; Pennebaker, 1968; Eaton, 1969; Christman, 1973) . Use of the Eaton method (Eaton, 1969; Eaton and Eaton, 1997) , which considers overburden stress, Poisson's ratio, and pore-pressure gradient, is considered to be the most accurate and widely used of the methods for fracture gradient determination. Graphical determination of the fracture gradient using a version of the Eaton (1969) method that is applicable for all depositional basins ( fig. 11 ) was used for our calculations. At 8,000-ft depth, this graphical method yields a fracture gradient ranging from approximately 16.0 to 19.0 ppg (0.832 to 0.988 psi/ft). This corresponds to pressures ranging from 2,271 psi (15.66 MPa) up to 4,184 psi (28.85 MPa), respectively.
To maintain comparable fluid properties of CO 2 between the studies of the two constitutive equations, a maximum pressure differential of 25.5 MPa was used for ∆P, in the Darcy fluid-flow calculations. This represents a pressure increase of 3,688 psi at 8,000-ft depth, which is equivalent to a mud weight of 17.8 ppg or a fracture gradient of 0.926 psi/ft. These values are within the range of fracture gradients at 8,000-ft depth provided by Eaton (1969 
Results from Darcy's Law of Fluid Flow
The results for the Darcy fluid-flow modeling over the thirteen orders of magnitude variations in permeability exhibit a decreasing linear trend with increasing porosity (figs. 12-17) . Note that the Darcy fluid-flow results, in general, yield a one order of magnitude difference from the hydraulic diffusivity results. This may be due to the effects of the Darcy pressure differentials enhancing the rate of lateral migration.
According to these results, CO 2 may migrate laterally through a formation with 10.0-D permeability on the order of a few days. Lateral migration of CO 2 through a formation exhibiting 1.0-D permeability will occur on the time scale of months. Formations exhibiting 1.0-mD permeability have approximately six months to a 60-year confinement of the CO 2 within a 1.0-km section of formation. A formation exhibiting 1.0-μD permeability would theoretically be able to confine CO 2 on the order of several hundreds to tens of thousands of years. Formations with 1.0-nD permeability offer CO 2 containment potential in the millions to tens of millions of years. For completeness, these calculations indicate that a formation with 1.0-pD permeability yields lateral migration on the order of billions of years, which exceeds the tectonic cycle of the sedimentary basins. The first-order approximations for the lateral migration of CO 2 exhibiting Darcy fluid flow are provided graphically in figure 18 and numerically in table 3 for the range of permeability values and porosity combinations. These data represent the logarithm of the time scales for lateral migration, or containment potential, of CO 2 through 1.0 km of formation at reservoir pressure and temperature of 25.5 MPa (3,400 psi) and 200°F, respectively. This range of values, as well as the average value, is given for select permeabilities in table 3.
The numerical values of the lateral migration time scales for all permeability and porosity combinations, are given in table 4. Note the similarities and differences in the time-scale values between the two constitutive equations. The similarities suggest that these first-order approximations, derived from two separate equations with different input values, yield a reliable estimation of the lateral migration time scale. The differences, however, indicate that scientific judgment is required to determine whether the fluid properties or the pressure differential is expected to have the greater impact on the behavior in a specific injection formation. The hydraulic diffusivity equation can describe the system for pressures below approximately 10 MPa (1,500 psi) in that the fluid viscosity term exhibits quasi-linear behavior in this pressure region. Darcy fluid flow takes into account the maximum pressure differential and pressure-induced fracturing of the injection formation, which are necessary considerations in overpressured regions.
Darcy Sensitivity Analysis
The variables of distance, fluid viscosity, and pressure differential were studied for their contribution to the migration time scales derived from the Darcy fluid-flow equation. One order of magnitude changes in the fluid viscosity result in one order of magnitude changes in the migration time scales. Increasing the fluid viscosity allows the fluid to flow at a faster rate, thereby decreasing the time scale. Increasing the pressure differential by one order of magnitude results in a one order of magnitude decrease in the time scale, inasmuch as the pressure increase enhances the fluid migration from higher to lower pressure regimes. Increasing the migration distance by one order of magnitude increases the time scale by one order of magnitude. Due to the proportionality of this equation, order of magnitude changes in the variables are inversely proportional to the resulting order of magnitude changes in the migration time scales.
The time-scale variability over the depth range was studied and compared to the 8,000-ft base case. At the upper depth limit of 3,000 ft, the formation temperature is decreased to 118°F and the formation pressure is decreased to 9.6 MPa (1,400 psi). The CO 2 properties of density, compressionalwave velocity, and fluid viscosity also decrease by a scalar factor at these shallower reservoir conditions. The scalar value of the lateral migration time scale is decreased by approximately half. However, there is no change to the order of magnitude of the lateral migration time scale. At the 13,000-ft lower depth limit, the formation temperature is increased to 282°F and the formation pressure is increased 41.5 MPa (6,000 psi). The physical properties of CO 2 increase by a scalar factor at these deeper depths. The scalar value of the lateral migration time scales is increased by one, and there is no change to the order of magnitude of the lateral migration time scales. 
EXPLANATION

Permeability Classifications
Studying an entire range of permeabilities to determine the time scales of CO 2 containment within a subsurface formation allows subdivision and categorization of the properties that would likely provide reasonable and accessible storage. The findings of this study help to characterize and define the three permeability classifications in the USGS assessment methodology (Brennan and others, 2010) as Class I, Class II, and Class III (table 5) .
A formation with Class I permeability exhibits greater than 1.0-D permeability. This type of formation would be useful for rapidly obtaining preliminary data on CO 2 sequestration techniques, testing state of the art monitoring technologies, and calibrating research models with field experiments. This permeability class has storage that is accessible; however, long-term containment of CO 2 within a Class I formation is limited. Lateral migration of the CO 2 , under the assumptions given in this study, would occur in several days to several weeks in the absence of physical trapping mechanisms.
Class II permeability ranges from 1.0-D to 1.0-mD permeability. Formations with Class II permeability represent potentially favorable injection targets because they offer both a reasonable CO 2 containment time frame as well as accessible storage based on present-day engineering technologies. Permeability Class II formations represent the main focus of the probabilistic calculations of storage efficiency and containment risk of the USGS geologic carbon sequestration assessment methodology (Burruss and others, 2009; Brennan and others, 2010) .
Permeabilities below 1.0 mD are categorized as Class III permeability. Formations with Class III permeability could theoretically contain sequestered CO 2 , based on the assumptions used in this study, on the time scale of hundreds of thousands to billions of years. This storage resource, however, would not be readily accessible with present-day engineering technology due to the ultra-high injection pressures required for sequestration into such a tight formation. Table 5 . Division scheme for the three permeability classifications used in the U.S. Geological Survey assessment methodology for geologic carbon sequestration (Brennan and others, 2010) . Note that 1.0 darcy is equal to approximately 9.869233×10 −13 m 2 .
[ 
Discussion and Conclusions
Quantification of the first-order approximations of the time scales involved in the lateral migration of sequestered CO 2 through a given volume of rock enables a general estimation of the containment time frames of the sequestered gas. This study investigated these time scales for formations exhibiting permeabilities from 10.0 D to 1.0 pD and porosities from 5 to 95 percent.
The time scale of the fluid migration as a function of fractional porosity exhibits a hyperbolic decay contour that is characteristic of the hydraulic diffusivity equation. The time scale of fluid migration using the Darcy fluid-flow equation, however, yields a decreasing linear trend. In both cases, the order of magnitude, as calculated from the logarithm of the time scales, can be approximated as a quasi-linear trend over a range of permeabilityporosity values. Furthermore, the similarities in the time-scale values between the two constitutive equations suggest that these first-order approximations, derived from two separate equations with different input values, yield a reliable estimation of the lateral migration. Therefore, the methods given in this study would be applicable to determine the general time scales of a subsurface formation, given the availability of specific information about average permeability and porosity characteristics. The Darcy fluid-flow results, in general, yield a one order of magnitude difference from the hydraulic diffusivity results. This may be due to the effects of the Darcy maximum pressure differentials enhancing the rate of lateral migration. The maximum pressure differential, which is used only in the Darcy calculations, is related to the injectivity of the formation and can be used to determine the maximum pressure increase that an injection target can withstand before fracturing.
Based on the hydraulic diffusivity and the Darcy fluid-flow calculations, formations categorized within the Class I permeability classification may not provide adequate, long-term containment of sequestered CO 2 , as the time frame for lateral migration of the fluids is on the order of several days to months. Formations in the Class II permeability classification represent the most favorable scenario for injectivity and containment of CO 2 . The order of magnitude for a 1.0-km lateral migration of CO 2 through a given volume of rock, for Class II permeability formations, ranges from several years to several thousand years. Formations with Class III permeability may not represent viable injection targets without formation treatments such as hydraulic fracturing or permeability enhancement. However, based on the fluid-flow modeling, these low-permeability formations could offer ultra long-term storage of sequestered fluids, on the order of hundreds of thousands to millions of years.
